The Cambrian-Ordovician and Upper Cretaceous formations, which are the main oil-producing formations in the central Sirte Basin, are structurally complex. The lateral and vertical heterogeneity of the reservoir formations is not well-understood, which negatively affects the performance of the reservoirs. We constructed efficient full-field static models that incorporate the lateral and vertical variation of those reservoir formations by integrating geologic and geophysical data. We determined lithology and reservoir properties by selecting appropriate petrophysical techniques that suit the available well data and overcome issues with unreliable well-log measurements. In the process of building structural models, defining and mapping the base of the CambrianOrdovician Gargaf Formation was very challenging because wells did not penetrate the basal formation, and the quality of the seismic data decreases with depth. Therefore, we applied techniques of adding isochore maps of the overlying Upper Cretaceous of the Bahi and Waha Formations to map basal contact and determine the thickness of the Gargaf Formation for the first time in the area. The constructed isochore maps showed the thickness variation and the distributions of the Bahi and Waha Formations and explained the influence of Gargaf paleotopography and faults on them. The fault models combined with facies and property models suggested an interconnection among the three main reservoirs. They also indicated that the quality of the Waha reservoir enhances as the lithology varies from limestones to calcareous sandstones, whereas the quality of the Gargaf reservoir was primarily controlled by fractures. The total estimate of the original oil in place with the largest contribution of hydrocarbon volume from the Waha Formation was 2.55 × 10 9 stock tank barrel. The created model with a fine-scale geocellular covering an area of 350 km 2 is unique to the study area and it can be updated and refined at any time with new data production and drilling activities.
Introduction
The Sirte Basin is among the world's top 20 petroleum provinces, and it is one of the four known sedimentary basins in Libya ( Figure 1a ). It covers a total area of 600;000 km 2 and is the richest and youngest sedimentary basin in the country, with known reserves of more than 43.1 billion barrels (Barr, 1972; Futyan and Jawzi, 1996; Wennekers et al., 1996; Coward and Ries, 2003; Craig et al., 2004; Abadi et al., 2008) . The major structure of the Sirte Basin was developed between the Late Paleozoic and the Early Cretaceous, during which a continuous uplift formed the Sirte Arch. During the Late Cretaceous, extensional tectonics resulted in a partial collapse of the Sirte Arch and caused a system of horsts and grabens (Figure 1b; Klitzsch, 1971; Bellini and Massa, 1980; Van Houten, 1983; Ahlbrandt, 2001; Hallett, 2002) . There are three primary reservoir formations: the Cambrian-Ordovician Gargaf, Upper Cretaceous Bahi, and Waha with a large variability in thickness and lithology in the study area (Figure 2; Cain, 2001 ). In spite of numerous studies, no consensus has been reached on the degree of connection among the different layers of the reservoirs and on the factors that distinguish these formations. As a result of its limited spatial distribution and thickness, the Bahi Formation contains the least hydrocarbon reserves. However, it is of significance because it acts as a good vertical and lateral reservoir conduit between the Waha and Gargaf reservoir units wherever it is present. Previous studies suggested that it is problematic to differentiate Bahi detritus and quartzitic materials from similar deposits found in either the Waha or Gargaf units (De Golyer and Macnaughton, 2010) .
Integrating geologic, geophysical, and petrophysical data into one complete model of the whole field is an 1 Missouri University of Science and Technology, Geology and Geophysics Program, Rolla, Missouri, USA. E-mail: aaakwd@mst.edu; liukh@ mst.edu; sgao@mst.edu. important process to help better understand the complexity of reservoir formations, thereby facilitating significant gains in productivity in terms of identifying and managing reservoirs (Zou et al., 2006; Denney, 2013; Adeoti et al., 2014) . It provides reservoir engineers with a reliable and comprehensive basis upon which they can simulate and manage reservoirs (Al-Harbi et al., 2013; Karamitopoulos et al., 2013) . In general, however, combining these various forms of data represents a significant challenge, mostly because of the fact that reliable integration requires a comprehensive understanding of the inherent uncertainties of the numerous components in a given geologic system (Hosseini et al., 2012; Kamali et al., 2013; Musa et al., 2013; Rodríguez Torrado et al., 2015) . Because the availability and variability of well data that were acquired by different companies in different years and quality of seismic data, it was required to use certain analysis techniques and data enhancement to overcome data limitations. Applications of frequency enhancement and filtering of seismic data on some oil fields in Libya, for example, demonstrated the importance of data conditioning to illuminate some of the unrevealed geologic features (Hamarbatan et al., 2006; Serpa, 2016, 2018; Abdelnabi et al., 2017) . In a previous study (Abdelnabi et al., 2017) , the authors used frequency enhancement and curvature attributes to identify minor faults in the study area and the distribution of the fractures in the Cambrian-Ordovician reservoirs.
Here, we present a study of such an integrated approach using a combined data set from the RG-oil Field in the Sirte Basin in Libya. This case study uses a method by which a comprehensive blend of geologic, geophysical, petrophysical, reservoir engineering information, and the accompanying interpretations are linked in one static model. The modeling approach presented here is unique to the study area. One of the aims of this study is to characterize the heterogeneity of the main producing formations in the study area. The workflow of the construction of the full field static reservoir model of the RG-oil Field is illustrated in Figure 3 .
Geologic background and database
Regional geologic setting and petroleum system The RG-oil Field is located in the west-central part of the Sirte Basin (Figure 1) . The major structural features that have affected sedimentation in this area include four northwest-southeasttrending structures (Van Houten, 1980; Anketell, 1996; Schroter, 1996) , which are the Zallah and Tumayan Troughs to the west, the Beyda Platform in the central part of the area, and the Maradah Graben to the east (Parsons et al., 1980; Mansour and Magairhy, 1996; Capitanio et al., 2009) . All platforms in the region are covered by limestone and remained relatively stable throughout the Early Paleocene. However, the shale-filled troughs continued to subside and deepen to the north particularly along the Ajdabiya trough to the present day (Gumati and William, 1985; Baric et al., 1996; Belhaj, 1996; Heselden et al., 1996; Johnson and Nicoud, 1996) . The stratigraphy of the Sirte Basin was divided into four megacycles: Paleozoic, Triassic to Early Cretaceous, Late Cretaceous to early Oligocene, and Oligocene (Montgomery, 1994) . The cycles characterize stages of pre-, syn-, and postrift sequences. The Cambro-Ordovician nonmarine clastics from the oldest megacycle (a prerift sequence) are represented by the Gargaf/ Hofra sandstone, which is underlain by a Precambrian unconformity and overlaid by late Permian or Triassic unconformity. The sequence is characterized by tightly cemented sedimentary quartz- A structural map showing the main structural features affecting the sedimentation pattern in the study area. The blue areas represent major highs, the red areas represent gas field distribution, and the green areas represent oil fields (modified after Rusk, 2001 ).
T22 Interpretation / February 2019
ite, which is enhanced by fractures to form a secondary reservoir in the study area (Ahlbrandt, 2001) . The second cycle is dominated by alluvial deposits of the Nubian Formation, which is not encountered by wells in the study area. The Late Cretaceous Bahi, Waha, and Sirte Formations (syn-rift sequences) characterize the third megacycle in the Sirte Basin, representing reservoirs and a source rock in the study area, respectively. The Bahi Formation contains a conglomerate of rounded pebbles with poorly sorted sandstones, siltstones, and shale representing nonmarine fluvial deposits. The Waha Formation is developed around preexisting high topography, and its lithology varies from open marine to nearshore deposits (Hallett, 2002) .
The dominant petroleum system in the study area is called the Sirte-Zelten. The thick Upper Cretaceous marine shale, which is part of a synrift sequence, contains the principal source rocks, whereas the reservoirs are shallow-marine clastics and carbonate deposits situated on horst blocks (Hamyouni et al., 1984; Gumati and Schamel, 1988; El-Alami, 1996; Hallett and Ghoul, 1996; Boote et al., 1998) . Subsidence in the basin occurred at different rates, and four major phases of extension impacted deposition throughout the basin (Gumati and Nairn, 1991; Roohi, 1996a Roohi, , 1996b Sinha and Mriheel, 1996) . The reservoirs were formed by the onlap of Cretaceous rocks (Bahi and Waha Formations) onto the Paleozoic Gargaf, which might influence the limit and distribution of reservoir facies in the study area. The oil migration occurred from the early Oligocene to the late Miocene age where lateral migration through Bahi carrier beds and vertical migration along the bounding faults from troughs to the Gar- gaf, Bahi, and Waha Formations took place (Rusk, 2001; Hallet, 2002) The Hagfa Shale forms the caprock (Figure 2 ; Bonnefous, 1972; Baird et al., 1996) . The trap is a large irregular domal structure that covers an area of approximately 25,000 acres. It is bounded on the west by a major northeast-southwest-trending normal fault with minor faults cutting the interior of the structure (Boweman, 1962; Hassan, 1971) .
Data set
The seismic reflection data used in this study consist of 23 2D migrated lines covering an area of approximately 4000 km 2 and a 3D seismic cube covering an area of approximately 351 km 2 . The 2D and 3D seismic data quality ranges from fair to good (Figure 4 ). Checkshot surveys used to tie the well tops to the seismic data are available for several wells. Data inquired by different companies in different years from 140 wells were also used for the study ( Figure 5 ). The seismic-to-well ties were evaluated by constructing synthetic seismograms at well locations whenever sufficient sonic (DT), or sonic and density (RHOB) data are available. A total of 140 wells and core descriptions and quantitative analyses from 30 wells were available for the petrophysical study in support for the construction of properties modeling.
Methods

Petrophysical analysis
A petrophysical analysis was performed for 140 wells from inside and outside the study area. We estimated reservoir properties for 100 wells and made lithostratigraphic correlations for all 140 wells. We also used quantitative analyses of core samples from 30 of the wells to calibrate petrophysical properties. Different petrophysical techniques were selected to estimate the reservoir properties and lithology based on the vari- Figure 4 . North-south seismic section showing the tie of 2D and 3D seismic data, seismic-to-well tie for well 57, well 08, and well 04 represented by the yellow trace on the seismic section. Also shown are major faults F1 and F2 and horizon interpretation of the main formations in the study area. ability, uncertainty, and availability of well data as discussed below.
Determination of porosity, permeability, and water saturation
We used different petrophysical methods to estimate porosity for each specific well, depending on the presence of core and well-log data and whether the reservoir zone had significant shale content. For the newer wells that contain density logs, the density-neutron crossplot technique was adapted to determine the porosity and lithology. For the older wells that contain low shale, and the shale was concentrated in a distinct bed in the reservoir formations, sonic and neutron (NEUT) logs were used to estimate the porosity because there was no need to apply shale correction to porosity. For wells in which density logs were missing, the NEUT logs were only used if DT logs were not available. Although microlaterolog (MLL) logs were used to determine porosity in 10 wells with DT and NEUT logs, we did not use them because MLL logs are more sensitive to the common washout than DT and NEUT logs in these wells. The core-derived porosity in 15 wells was then used to calibrate the logs.
Because there was a variety of resistivity logs such as laterolog, normal and lateral, deep indication logs that were acquired in different years in the field, we generally used the shallow resistivity logs qualitatively to identify permeable beds, and the deep resistivity logs to compute water saturation. We used resistivity and spontaneous potential (SP) logs in all wells as indirect permeability indicators. The SP was used as a Boolean permeability indicator because the reservoir lithology is relatively shale-free, and SP is known to measure the electrical potential generated at the interface between permeable and impermeable beds (Asquith et al., 2004) . We also used the separation of the shallow and deep resistivity readings as another permeability indicator. Two shallow-reading electrode pad resistivity devices, microlog and microspherically focused log (MSFL) for six old wells, were used as permeability indicators. Micrologs record two simultaneous measurements, the micronormal (MNOR) and the microinverse (MINV) curves. The MNOR log reads approximately 2 in into the formation, and the MINV log reads approximately 1 in into the formation, and the permeability is indicated when the log readings are different. MSFL were available and were used as qualitative permeability indicators. We used the deep resistivity measurements (Rt) to estimate water saturation (Sw) that was calculated from the Archie equation. We also used the resistivity logs and core data to determine the depth of oil-water contact (OWC) and gas-oil contact (GOC) at the time of drilling (original contacts).
Lithology determination
We identified the rock type and established lithostratigraphic correlations in the wells directly from wireline, cutting descriptions, and mudlogs in a final well report. We used the density-neutron crossplot as a primary method in the new wells (where density logs were recorded) to estimate the lithology and to distinguish limestone from calcareous sandstone in the Upper Cretaceous Waha Formation. We identified quartzite and rare shale in the Gargaf Formation and conglomerate/ boulder beds and siliceous sandstones in the Bahi Formation. We also identified limestone, calcareous sandstone/sandy limestone, and thin shale in the Waha Formation. Argillaceous and sideritic limestone were also present in the Waha Formation, but in few wells. Based on the observation of porosity variations, the siliceous sandstone facies of the Bahi Formation was distinguished from quartzite of the Gargaf Formation by an increase in porosity, and the boulder beds of the Bahi Formation were distinguished from the quartzite facies of the Gargaf Formation by a decrease in porosity.
Because of issues with gamma ray (GR) logs as discussed below, shales were estimated as a Boolean indicator using resistivity, SP, spectral GR, and/or neutron logs during lithology determination. The GR appears to be affected by uranium, which is unrelated to the clay mineral or shales in the reservoir formations. The high GR anomaly in well 1 (Figure 6 ), for instance, is not consistent with the other well-log responses including thorium (Th) and potassium (K) curves, and hence it does not indicate the presence of shale in the reservoir formation. Because it is very difficult to know how much uranium is in GR logs and how much of it is related to fluid movements in the logs, we used Th and K and/or computed GR from spectral GR as shale indicators. We also defined the shale as of very low porosity with indications of impermeability on the SP logs. We used cutoffs on the resistivity, neutron, and DT logs to distinguish shale from quartzite and siliceous sandstone in the Bahi and Gargaf Formations. Shales in the Bahi and Gargaf Formations are characterized by spikes toward high porosity on neutron logs.
Seismic horizon and fault interpretation
The seismic interpretation was started by tying the 2D and 3D seismic data (Figure 4) . Then, seismic data were tied to well data using approximately 60 wells that have sonic data in which 30 of them contain density logs. The ties were evaluated by constructing synthetic seismograms at well locations (Figure 4 ). Those synthetic seismograms were generated using sonic and either measured or estimated density logs (when density logs were missing) using Gardner's equation (Gardner et al., 1974) . The seismic-to-well tie was good, and the best ties were obtained with the 3D survey.
The horizon interpretation of the main reservoirs, including the Gargaf, Bahi, and Waha Formations, and other formations, such as Kalash, Kheir, Gir, and Gailo, were carried out using the 2D and 3D seismic data (Figure 4) . Shallow horizons were easy to track over the study area because they represent strong reflection contrasts with better seismic resolution. Data quality deteriorates with increasing depth and increases the uncertainty of the interpretation of the deep horizons Interpretation / February 2019 T25 (Abdelnabi et al., 2017) . Nevertheless, there is enough well control to constrain the interpretation and produce accurate structural maps of the deep horizons. We also interpreted faults using 2D and 3D seismic data in which the minor faults were identified from frequency-enhanced seismic data (Abdelnabi et al., 2017) . We picked the faults in every inline and crossline. It is crucial to identify the faults and understand their relationship to the reservoir. We identified 40 faults in the study area (Figure 7a ), and only 20 faults were determined to be connected to the reservoir network (Figure 7b ). Some of those faults are displayed in Figure 4 . Finally, we used average velocity from well data and performed time to depth conversion for the interpreted horizons of the reservoir formations.
Structural, facies, porosity, and permeability modeling
We constructed structural and isochore maps using the seismic, well log, and core data to define the top surface, thickness, and distribution of each of the three reservoir formations in the study area (Figures 8, 9 , and 10) and provide a framework for the 3D static model (Figure 11) . Because the basal of the Gargaf Formation was not penetrated in the wells, the isochore map of the Gargaf (Figure 8b ) was created by adding the total isochores maps of the overlying Upper Cretaceous Bahi Formation and Upper Cretaceous Waha Formation (Figures 9b and  10b) . Subsequently, the identified faults and structural surfaces were imported into the structural model and were refined to produce the best representation of the seismic and well data (Figure 11 ). The structural model comprises three main zones representing the three main reservoirs. The Cambrian-Ordovician Gargaf zone was then divided into 12 subzones based on lithologic and petrophysical variations, whereas the Upper Cretaceous Waha zone was divided into 10 subzones based on the stratigraphy. Because the Upper Cretaceous Bahi Formation is a heterogeneous succession with variable thicknesses and lateral extents, we represented the Bahi Formation as one reservoir zone as shown in Figure 12 . The subzone thicknesses of each formation were chosen to best capture the vertical heterogeneity that the petrophysical properties exhibit. The final process of structural modeling was layering in which a minimum cell thickness of 1 m was chosen as a threshold to prevent accumulation of thin cells at the unconformity during the layering process. The cell layers were generated based on proportional cell thickness to define the final vertical resolution of the grid model, in which a constant number of cell layers was defined in each subzone. The 3D grid has a horizontal dimension of 16.9 km along the x-axis and 20.8 km along the y-axis, covering a surface area of 351.52 km 2 . We use a corner-point 3D grid to create grids based on the fault and structural models. The areal cell size for the model is chosen as 100 m × 100 m, and the thickness of the cells is proportional to the overall zone thickness. The resulting static model has a fine-scale dimension of 248 × 265 × 466 (30.6 million cells).
The identified facies of the Gargaf, Bahi, and Waha Formations were then populated across the constructed 3D structural model using the sequential indicator simulation (SIS) statistical method ( Figure 13 ). The SIS is a widely used technique for categorical variable models (e.g., Journel and Isaaks, 1984; Journel and Alabert, 1988) . The SIS algorithm uses a random path through all of the grid nodes to avoid artifacts. It then uses a kriging algorithm to estimate the conditional distribution of each facies type at each closet grid node, which is randomly selected to draw the simulated value from. The process repeats, and each time the original and previous simulated values were added in the estimation processes. In the process of generating the facies model, a sample isotropic variogram with appropriate lags and hori- zontal search radius for each facies in 23 zones was chosen to represent the vertical and horizontal variations of the lithofacies, assuming the lithology of the Bahi and Waha Formations is changing from northeast to southeast parallel to the Gargaf paleohigh. The variogram type was classic, in which half of the average squared difference between the paired data values was calculated, whereas the variogram model was a spherical or exponential curve. The resultant facies model constructed for the three formations was used as a reference to assign porosity and permeability values as discussed below (Figure 13) .
We used distinct porosity log and deep-reading resistivity log technologies in addition to quantitative analyses of the petrophysical properties of core samples to determine porosity and permeability values as discussed in the petrophysics section. After calibration of the petrophysical values with the available core data and upscaled them, the porosity and permeability were modeled using a sequential Gaussian simulation (SGS) model (Figures 14 and 15) . The SGS is similar to SIS except using indicator kriging to estimate conditional distribution in SIS. It uses kriging to estimate the mean and the standard deviation. The model was defined by the experimental variogram with the same search parameters as those used for facies modeling.
Net-to-gross ratio and volumetric estimations of the hydrocarbon resources
We chose the net-to-gross (NTG) model in accordance with a net and pay zone that comprises ones and zeros. Ones represent layers that passed the cutoffs (permeability >= 0.01 md) and are treated as a reservoir, whereas zeros represent layers that failed the cutoffs and are treated as a nonreservoir. After testing the method, we found that the same variograms used to distribute the porosity grid can be successfully used to distribute the NTG grid (Figure 16 ).
We calculated water saturation using well-log data with emphasis on the Rt logs and then matched on a foot-by-foot basis and corrected for structural elevation based on the computed saturationheight gradient observed in the wells. The height above OWC and GOC was calculated using geometric modeling based on the previously identified OWC and GOC contacts from resistivity logs and core data. Then, the J function was empirically computed as a function of square root of permeability to porosity and above OWC and GOC, which was then used to estimate water saturation. After all the fluid contacts and necessary models, including structural, facies, porosity, permeability, NTG ratio models, and water saturation, were established in Figure 17 , and we estimated the hydrocarbon pore volume and original oil in place (OOIP) for each formation of the Cambrian-Ordovician and Upper Cretaceous reservoirs in the full field geologic model (Table 1) .
Results and discussions
Interpretation of fault model
Forty faults were identified from the seismic reflection data (Figure 7a) . To simplify the model, we excluded from the structural model the faults that are not connected to the reservoir fault network. Consequently, 20 of the 40 faults were used to construct fault polygons that were imported into the geologic model (Figure 7b and 7c) . Two major faults F1 and F2 were responsible for the formation of the structural closure in the study area. The major fault (F1) is located on the west side of the field, having a northwest-southeast trend with a net throw of approximately 250 m toward the west. The fault separates a platform structure to the east from the graben structure to the west. In addition, it effectively seals the structure on the west side of the producing area and appears to diminish in the Hagfa Shale at the top of the reservoir. A northeast-southwest major fault (F2) with a throw of 130 m toward the east also appears to seal the structure on the east side of the reservoir (Figure 7b ). The minor faults that cut the interior of the structure and subparallel to the major faults enhance the reservoir communication in most of the field. The throws of the minor faults range from 20 to 100 m. Previous studies suggested that these faults formed in response to extensional tectonics during the Late Cretaceous age (El-Ghoul, 1996; Mansour and Magairhy, 1996) . The faults appear almost vertical, in particular within the reservoir units (beneath the Kalash Formation) as shown in Figure 4 , which simplified the fault modeling. 
Structural interpretation and modeling
The defined tops and thicknesses of the reservoir formations that combined with faults provide crucial information about the reservoir productivity area, distribution, and connectivity, and they were used to construct a structural framework for property modeling. The Cambrian-Ordovician Gargaf Formation is the second reservoir unit with a widespread distribution in the study area (Figure 8a and 8b) . It is overlain unconformably by clastics of the Bahi Formation or clastics and carbonates of the Waha Formation. The Gargaf Formation thins on the crest of the structure and thickens elsewhere, particularly toward the north-northeastern and southeastern area (Figure 8b ). The variation of the Gargaf thickness suggests that the Gargaf paleostructure in the central area was formed before the Late Cretaceous transgression, which agrees with previous studies (Hallett, 2002) . This also suggests that fractures of the Gargaf Formation might have formed during the formation of the Gargaf domal structure before Cretaceous faulting. The latter event probably enhanced the fracture system in the faulted areas.
The Bahi reservoir unit is the least important of the three units due to its reduced thickness that ranges from 0 to 55 m and its patchy distribution within the structural closure. However, it is a good reservoir communicator between the underlying Gargaf Formation and overlying Waha Formation as discussed in the facies model section. We determined the thickness of the Bahi reservoir unit to be approximately 46 m (150 ft), with a general increase toward the southwestern part of the study area where the Bahi Formation recorded a maximum thickness of 76 m (250 ft) (Figure 9b ). We believe that the undulation of the Gargaf paleostructure and the active Cretaceous faulting created high and low areas were responsible for the thickness variation and patchy distribution of the Bahi reservoir. This can be indicated by elongated depressions of thick deposits in the faulted area (Figure 9a and 9b) and a large variation in thickness between some of the adjacent wells.
The Upper Cretaceous Waha Formation constitutes the upper and major reservoir in the study area. The constructed structural and isochore map delineated the thickness and distribution of the Waha Formation (Figure 10a and 10b) . We found that the thickness of the Waha Formation ranges from 61 m (200 ft) on the north side of the study area to more than 244 m (800 ft) and largely dominant distribution in the southwestern part of the study area. As shown in Figure 10b , the Waha Formation is absent in the northeastern area, apparently because the marine deposits of the Waha Formation are restricted on the flank of the topographic high of the Gargaf Formation. The faults in the central area also showed an influence of the thickness variation on the Waha Formation. Figure 10a indicates that the crest of the structural closure in the study area is at 1463 m (4800 ft), the maximum structural closure observed is 244 m (800 ft), and the maximum structural relief is approximately 457 m (1500 ft).
The structural model of the main zones of the Gargaf, Bahi, and Waha Formations provides the structural framework for reservoir property modeling. The combined structural, facies, and property models help us to understand how those reservoirs were stratigraphically and structurally connected. The constructed subzones of the Waha and Gargaf Formations were used to constrain the distribution of facies and property of reservoirs that were populated into the model. These subzones were further subdivided by adding layers to prepare the model for parameterization with geologic and reservoir properties (Figure 12a ). The 3D grid has a horizontal T32 Interpretation / February 2019 dimension of 16.9 km along the x-axis and 20.8 km along the y-axis, covering a surface area of 351.52 km 2 .
Facies interpretation and modeling
We used well logs and core data to identify eight common facies, such as limestone, calcareous sandstone/sandy limestone, shale, sandstone, quartzite, conglomerate/boulder beds, shaly limestone, and dense limestones in the reservoir formations. Two other facies of argillaceous and sideritic limestone were also identified but in few wells. In addition to those facies, a nonreservoir facies that was characterized by impermeable zones was determined based on the resistivity cutoffs.
The nonreservoir facies was indicated by a dark-gray area in Figure 13 . The quality of the simulated model to well data for each facies and reservoir properties were checked using histograms. The resultant facies model of the Gargaf reservoir (Figure 13a ) indicated that the quartzite facies is the most dominant facies in the Gargaf Formation in comparison with the sandstone and shale facies. The distribution of the nonreservoir zone is very limited and scattered in the Gargaf Formation.
The facies model of the Bahi Formation comprises siliceous sandstone, conglomerate, rare shale, and some limestone and calcareous sandstone facies. The reservoir is characterized by dominated facies of sandstone, with a relatively large portion of the nonreservoir zone. The nonreservoir facies has no effect on the hydrocarbon flow and reservoir connectivity, especially where the Bahi unit is characterized by thick deposits with high porosity in the southwestern part of the field. The variation of the Bahi facies does not compare to the distribution of porosity and permeability except for the large-scale variation of nonreservoir and reservoir facies. The combined facies and structural models suggested that the porous and permeable facies in the Bahi Formation tend to be in contact and hence permit transmitting fluids between the overlying and underlying reservoirs of the Bahi Formation. The connectivity of the reservoirs might also be enhanced by faults, where the high porosity and permeability of the Gargaf Formation were encountered in the central area.
The Upper Cretaceous Waha Formation comprises calcareous sandstone, limestone, and shale. Argillaceous and sideritic limestones have significant thicknesses in only a few wells. The constructed facies model of the Waha reservoir (Figure 13a ) indicated that the dominant facies were limestone and calcareous sandstone and rare sandstone. The distribution of those facies varies in each subzone in the Waha Formation without a definite pattern. Nevertheless, the calcareous sandstone and shale contents tend to increase toward the northern and southern areas, respectively. The nonreservoir zone in respect to the other facies in the Waha Formation is very rare and is scattered in the subzones.
Porosity and permeability modeling and NTG ratio and volumetric estimation of the hydrocarbon resources
The porosity model of the basal fractured Gargaf quartzite unit shows that the average porosity, not including the fractures, is 2%, and the average permeability is less than 0.1 md. However, in the middle of the producing area, the Gargaf Formation shows relativity high porosity and permeability, where the porosity reaches 10%, and the permeability reaches 0.55 md (Figures 14 and 15) . We also found that the porosity of the Bahi conglomeratic sandstone decreases with depth and thickness. The porosity of the Bahi ranges from 5% in the southeastern part to 30% in the southern and southwestern parts of the field, an area in which the Bahi is thicker than 46 m (150 ft). We found that the porosity in the Upper Cretaceous Waha Formation ranges from 15% in the southern part of the field to 25% in the northern part. The permeability ranges from 10 to 350 md and up to 2000 md in which the Waha and Bahi Formations exhibited higher permeability than the Gargaf Formation.
The final grid required for the 3D geologic model is the NTG model. NTG values range from zero to one in a reservoir rock. The NTG ratio of the Cambrian-Ordovician and Upper Cretaceous reservoir formations is 1.0 in most of the field. All of the wells in the study area are vertical, penetrating the base of the pay zone. The lateral and vertical variations observed regarding the NTG ratio are limited, which makes generating separate variograms for the description of these minimal variations in the NTG ratio meaningless (Dashti et al., 2013) .
The OWC and the GOC are at 1676 m (5500 ft) true vertical depth (TVD) and 1539 m (5050 ft) TVD, respectively ( Figure 17) . Despite large lithologic variations and faulted and fractured zones of the reservoirs, the structural closure has a single hydrocarbon accumulation that was defined by two contacts from most of the old wells. The absence of the reservoir compartments and unified OWC and GOC contacts in the field can be explained by the distribution of simulated facies, reservoir properties, and NTG models of the reservoirs. The faults seem to facilitate the fluid flow conductivity and slightly control the thickness variation of some reservoir units. Based on our hydrocarbon volume estimate, we found that the largest hydrocarbon volumes were in the Upper Cretaceous Waha Formation. The total OOIP for the full field model is estimated to be 2.55 × 10 9 stock tank barrel (STB), which is significantly higher in the last published estimation of approximately 2.05 × 10 9 STB (Brennan, 1992) .
Conclusion
The constructed full-field static model of the Cambrian-Ordovician and Upper Cretaceous reservoirs helps to estimate hydrocarbon volumes and to understand reservoir heterogeneity and the main controlling factors on the distribution, thickness variation, and quality of the reservoirs. The porosity, permeability, water saturation, and a total of nine facies of the reservoir units were petrophysically determined and modeled using geostatistical modeling techniques. The most common facies in the reservoirs are (1) limestone and calcareous sandstone facies in the Waha Formation, (2) siliceous sandstone in the Bahi Formation, and (3) quartzitic sandstones in the Gargaf Formation. The resultant structural and isochore maps for the main producing formations suggest that the preexisting high structure of the Gargaf Formation seems to predominantly affect the spatial distribution of the Waha reservoir, and faults appear to mostly control the patchy distribution and thickness of the Bahi reservoir. The three reservoirs were connected by a total of 20 faults, and the reservoir structure with a maximum relief of 457 m in the oil field was formed and defined by major faults F1 and F2 with a throw of 250 and 130 m, respectively.
The widely expanded quartzite facies with poor reservoir quality (except in the fractured regions in the middle of the producing area) characterizes the Gargaf reservoir in the study area. The fractures in the Gargaf reservoir might have formed during the formation of the Gargaf paleohigh and were enhanced during the Cretaceous faulting. Siliceous sandstones and boulder beds of the Bahi Formation were recognized from cores and distinguished using neutron porosity logs based on the porosity variation. The former was characterized by a higher porosity than that found for quartzitic facies of the Gargaf, whereas the latter facies was characterized by lower porosity. A patchy zone of relative high porosity and permeability of the Bahi Formation exhibited better fluid conductivity in the thick section, whereas faults and the direct contact between the fractured Gargaf and Waha Formations facilitate fluid conductivity near the top of the structural closure. The Waha reservoir is characterized by two dominant facies of limestone and calcareous sandstone, which were distinguished using densityneutron crossplots. Despite the patchy distribution of both facies, the latter facies with better reservoir properties seems to be more common toward the northern part of the field, which agrees with an increase of the porosity values from 15% to 25% based on the porosity model.
The OOIP was estimated to be 2.55 billion barrels, among which more than 50% was found in the major Waha reservoir. The resultant model suggests that good quality areas of the Gargaf and Waha reservoirs tend to be around the main structural closure and are controlled by change of facies from dominant limestone to sandy limestone and the presence of faults and fractures. The resulting model can be refined with any new data and can be used with confidence for future development plans. 
